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Please state your name, business address, and present position with PacifiCorp
d/b/a Rocky Mountain Power (the “Company”).
My name is Michael G. Wilding, and my business address is 825 NE Multnomah Street,
Suite 600, Portland, Oregon 97232. My title is Vice President, Energy Supply
Management.

I.  QUALIFICATIONS
Please describe your education and professional experience.
I received a Master of Accounting from Weber State University and a Bachelor of
Science degree in accounting from Utah State University. As Vice President, Energy
Supply Management (“ESM”), my responsibilities include directing the Company’s
front office organization in commercial and trading activities. ESM is responsible for
commercially managing Rocky Mountain Power’s diverse generation portfolio. This
includes the electric and natural gas hedging, term and day-ahead trading, real-time
trading, and system balancing. Prior to assuming my current position in February 2021,
I worked on various regulatory projects including general rate cases, the multi-state
process, and net power cost filings. I have been employed by the Company since 2014.
Have you testified in previous regulatory proceedings?
Yes. I have previously testified in front of the Public Service Commission of Utah
(“Commission”), and in Idaho, Wyoming, Oregon, Washington, and California.
What is the purpose of your response testimony in this proceeding?
The purpose of my testimony is to respond to the concerns raised by the Utah Division
of Public Utilities (“DPU”) witnesses Gary Smith regarding the Company’s hedging

policy and market transactions and the corresponding proposed adjustment made to
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remove certain market transactions from the Company’s revenue requirement.
Additionally, I address the DPU’s proposal to remove the costs of complying with the
Washington Climate Commitment Act while retaining the benefits of the generation
from the Chehalis natural gas plant.

Please describe how your response testimony is organized.

My testimony begins with a discussion of how the Company operates and dispatches
its system to serve customers and then provides an introduction to the Company’s
hedging practices and the hedging policy. I then address the specific concerns raised
by the DPU, and finally I address the removal of the compliance costs for operating the
Chehalis natural gas plant.

Please summarize your recommendation to the Commission.

My testimony shows that the Company is appropriately engaging in hedging activities
consistent with a prudent hedging policy, and the Commission should reject DPU’s
$129,777,380 million removal of west side market transactions. Also, the compliance
costs associated with the purchase of allowances for the Chehalis natural gas generating
facility are necessary and appropriate and this $19.4 million adjustment should be
rejected.

Are the DPU’s recommendations reflected in any other Company proceedings?
Yes, the DPU has made similar recommendations in the Company’s ongoing general
rate case (Docket No. 24-035-04), and as a result, my testimony bears some similarity

to the testimony filed in that proceeding.
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II. ROCKY MOUNTAIN POWER’S OPERATIONS
AND HEDGING PROGRAM

Please describe the Company’s system operations.

The Company has operated its system on an integrated basis across its six-state territory
since the Commission approved the merger of PacifiCorp and Utah Power and Light
Company, finding that the merger benefits! included substantial savings in
net power costs.! The Company’s resource mix continues to be very diverse with
hydro, wind, solar, coal, natural gas, and geothermal generation used to meet its peak
demand of over 10,000 megawatts (“MW?”). In addition, PacifiCorp has over 170
interconnections with other balancing authority areas (“BAAs”) and transmission
operators, including the California Independent System Operator (“CAISO”). For
hedging and system balancing purposes, PacifiCorp relies on regional energy market
hubs for wholesale energy transactions.

PacifiCorp currently has 1,600 MW of transmission rights, east to west,
connecting its PacifiCorp East (“PACE”) and PacifiCorp West (“PACW”) BAAs. This
includes 510 MW of Idaho Power Company transmission and 1,090 MW of PacifiCorp
transmission. These transmission rights have allowed PacifiCorp to optimize its diverse
resource portfolio and transact at the lowest cost market hub to balance the system and
hedge physical power for reliability and to reduce volatility. These transmission rights
also allow PacifiCorp to maintain reserves on PACE and PACW generation resources,
rather than duplicate reserve obligations in both BAAs, reducing total system

operational costs.

' Re Utah Power and Light Co., Docket No. 87-035-27, Order (Sept. 28, 1988) (“We further find that substantial
savings in net power costs will result from the merger.”).
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PacifiCorp’s geographic footprint allows it to take advantage of efficiencies and
economies from both a planning and operational perspective due to retail load
characteristics, variable resource diversity, and wholesale power market opportunities.
This diversity of load and variable resources is effectuated through the network of
transmission capability and PacifiCorp’s ability to deliver its resources to Utah for both
energy and ancillary services.

Due to the diversity of its dispatchable resource fuel mix across its BAAs,
PacifiCorp is better able to manage price exposure to natural gas spikes, as well as
market fluctuations that may be due to low hydro years or low periods of variable
resource generation. Utah customers benefit from this diversity. This type of diversity
benefit is only available through the management of both BAAs on an integrated basis.
PacifiCorp has an extensive transmission capability throughout its service territory.
Additionally, the introduction of the Western Energy Imbalance Market (“WEIM”) and
the capability to wheel sufficient amounts of power between PACW and PACE
provides PacifiCorp the ability to improve its intra-hour delivery of energy to both sides
of the system. As the WEIM has grown and provided a significant benefit to customers,
it has also provided PacifiCorp the ability to enhance the integration of its system across
both BAAs due to the enhanced dispatch on a five-minute basis, and, more importantly,
due to the availability of additional transmission capability.

This system diversity and geographic footprint provides benefits to Utah
customers by allowing increased imports from California and other markets across the
west when prices are low there and improves the economic benefits of PacifiCorp

resources including those resources in Utah when prices are high. PACE, with its large
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operating range across the coal fleet, contains nimble resources that are able to
decrement to very low operating levels to maximize the amount of low-cost generation
that can be allowed on the system, both internally and externally through the WEIM.
The benefit of importing low-cost power through the WEIM is a direct benefit to Utah
customers through lower NPC.
Despite the fact that the Company has two BAAs, does the Company operate and
dispatch as a single system?
Yes. This seems to be one of the most pervasive misunderstandings in the DPU
testimony. The separate BAAs of PACW and PACE are a function of the North
American Electric Reliability Corporation (“NERC”). The Company optimizes the
system operations of the entire footprint, both BAAs, for the benefits of all its
customers across its six-state service territory. Importantly, the generation portfolio
included in customer rates is not geographically based, e.g. the cost of generation
physically located in Utah is included in Oregon customer’s retail rates and vice versa.
What is price hedging and what role does it play in utility operations?
Fundamentally, price hedging is an attempt by companies to stabilize costs and/or to
manage market volatility. It is certainly used in that fashion in utility operations, but it
is well understood that it is not possible to completely remove risk to overall costs or
revenues for a variety of reasons that I will discuss below. Neither is it possible to hedge
perfectly (i.e., optimally), given the imperfect information and imperfect financial
instruments available to market participants when they make price hedging decisions.
Price hedging is distinct from supply hedging, which is not necessarily intended

to manage price volatility risk, but to ensure access to adequate supply and
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deliverability for the physical operability of the system. All physical purchase
transactions can be considered part of a supply hedge portfolio, as they introduce
physical length into the system.

What is the role of a hedging policy at a utility?

A hedging policy typically sets minimum and/or maximum limits for hedging activity.
In most companies, the policy is written to offer flexibility to traders (i.e., front office
personnel) because it is preferable to have subject matter experts managing risk
dynamically. Documents can be changed but, due to the review and approval
requirements of making changes to a hedging policy, they are not dynamic enough to
keep pace with volatility that may occur in energy markets. Policies should define
minimum acceptable limits and points beyond which the utility does not wish to go
under most conditions. The remainder of the decisions around hedging are normally
managed by front office personnel.

What role can hedging have on net power costs (“NPC”)?

While hedging can help reduce volatility in power costs, its impact on NPC can vary
depending on the fixed price of the hedge relative to market conditions. If the fixed
price of the hedge is higher than prevailing spot market prices, hedging can lead to
increased NPC. Conversely, if the fixed price is lower than prevailing market prices,
hedging can result in reduced NPC.

Is there any such thing as a perfect hedge?

Yes, but only in financial markets and physical markets for which there is no potential
for volumetric variability and the standard products available can perfectly offset the

risk. Banks and other market makers typically transact in standard contract sizes, so
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eliminating their open positions (long or short) is easily accomplished. For companies
operating in a utility space, loads, resource availabilities, variable energy resource
production, and other factors can only be forecasted imperfectly, so it is not possible to
perfectly hedge risk to overall costs. Essentially, utilities do not know years or months
ahead of time precisely what their load will be, what the hourly shape will be, what
resources will be available to serve it, or how sensitive it might be to external factors
(macroeconomic factors, ambient temperatures, etc.).

What are the overall goals of PacifiCorp’s hedging program?

PacifiCorp’s energy supply management department manages the energy commodity
position and utilizes PacifiCorp’s assets and liabilities (loads, generating resources,
contractual rights, and obligations) to: a) ensure reliable sources of electric power are
available to meet PacifiCorp’s customers’ needs, and b) reduce volatility of net power
costs for PacifiCorp’s customers.

Did the Company revise its hedging policy in 2021?

Yes. The Company made revisions to its hedging policy in 2021 that _

I ¢ h Cornpany

implemented those changes, they were conveyed and presented to parties in Utah, as
well as the other states that the Company serves.

Please describe the Company’s hedging policy prior to 2021.
The Company’s hedging policy prior to the 2021 update was based on_

_. The _ output was used as the denominator of the -
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calculation, and the

_ (again, the only change to the _ of the policy in the
2021 e was tre [

On the power side, the Company previously did not have any specific -

identified in the policy but adhered to a
-, which used the
as inputs to a _ monthly prices in an attempt to
determine the range of possible changes in NPC as a consequence of _
. The limits were structured with the intention of _
I Gicn the limited flexibility afforded to the

Company regarding its _, many of the

As I will discuss below, the _ had issues that limited its

effectiveness in the changing marketplace of the Western United States.
How were the current power hedging limits developed?
Company personnel recognized that the former program was providing direction that

was contrary to the intention of the risk policy, which is to provide safe, reliable,

affordable energy to customers. Essentially,

. The
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Company chose to alter the program to account for increasing reliability concerns and
increasing instances of scarcity pricing in the Western energy markets. The specific

limits were developed through collaboration between front office and risk management

over the course of months, using the newly (at the time) created_
_. The primary objective was to improve the Company’s

physical position and reduce its reliance on spot purchases during significant scarcity
pricing events, in recognition of the increasing frequency and intensity of these events
in the Western United States (“U.S.”).

With that in mind, the Company has opted to establish _
_. Figure 1 below shows hourly prices at Palo Verde from the last five years.
Mere observation is sufficient to realize that prices have been more volatile over the
past three years (2024 not presented here because full-year data is not yet available).
That realization should make it clear why satisfying a material portion of the purchase
requirements in the sometimes wildly fluctuating real-time energy market is

inadvisable.
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Figure 1 — Hourly Prices at Palo Verde, 2019-2023

Palo Verde Hourly Prices
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198 Q. Please describe PacifiCorp’s current power hedging limits, as defined in the

199 Company’s Energy Risk Management Policy.

200 A. The Company’s power trading limits, as articulated in its current policy, are intended
A
202 _2 Doing so serves the dual goals of _
0
00

205 I
00
207 e

2 Exhibit RMP__ (MGW-1R) CONF - PacifiCorp Risk Policy.
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Confidential Table 1: Power Hedging Policy Limits

Can you explain how PacifiCorp’s hedging program benefits Utah Customers?
PacifiCorp’s hedging program represents a prudent reaction to real anticipated
purchase activity that will be required in the future. Locking in prices ahead of time
serves to insulate customers in all jurisdictions from the frequently volatile day-ahead
and real-time markets. The impact on NPC will change depending on where those daily
and real-time prices settle relative to the hedge prices, but failing to hedge leaves
customers exposed to procuring required energy at spot market prices which have
proven volatile in the recent past. The benefits adhere to customers in the form of actual
NPC that exhibit lower volatility than they would exhibit without the benefit of the
program.

Can you explain specifically how the Company’s hedges at Mid-Columbia benefit
Utah customers?

The Company hedges to reliably serve system load, which means the Company could
_ Mona or Four Corners, which are trading hubs in or around Utah.

However, based on our experience trading in these markets, there is significantly less
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liquidity, and trading at Mona and Four Corners can be less cost-effective compared to
Mid-Columbia.
III. DPU’S RECOMMENDATIONS

The DPU claims that “[m]ost of [the Company’s] power physical purchases occur
on the West side of the system and are unlikely to meaningfully serve Utah load.”
How do you respond?

First, PacifiCorp does not hedge for the benefit of individual states; it hedges to
stabilize total-Company NPC. However, even setting that aside, the large discrepancy

between East and West purchase hedging requirements is a consequence of the -

I - ittt hedes on e
west side of the system are _ as compared to hedges on

the east side of the system, but that does not imply that the benefits of those hedges
only adhere to customers on the west side of the system. If not for the hedge program,
that demand would still have to be satisfied in actual operations, but it would be
composed of real-time transactions executed at sometimes wildly fluctuating hourly
market prices, to unknown effect on NPC. The purpose of the hedge program is to
stabilize NPC across the entire system, and leaving a material portion of demand to be
satisfied at unknown future hourly prices would do nothing to accomplish that
stabilization on behalf of Utah customers. In fact, it would have the opposite effect, and
that uncertainty would be reflected in Utah rates in the same way that the costs of the

hedge program are currently reflected.

3 Direct Testimony of Gary Smith, lines 119 to 120.
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For a concrete example of how this benefits customers, consider the following
scenario: during a high demand period in the third quarter of the year, if the Company
has hedges in place on the west side of the system, that may prevent the need to use
transmission capabilities to _,
which in turn allows the Company to forgo a high priced purchase at Mona or some
other east side point of delivery (because the hedge allows east side generators to keep
their output on that side of the system). In other words, the cost of a purchase made
ahead of time can reduce fuel costs or additional purchases at volatile real-time prices
in actual operations, and the effects can be observed on either side of the system.

The DPU claims that “[m]ost of [the Company’s] power physical purchases occur
on the West side of the system and are unlikely to meaningfully serve Utah load.”*
Is the DPU significantly misunderstanding how the Company operates its system
to serve customers?

Yes. As mentioned above, the Company operates its system holistically and co-
optimizes to the extent physically possible, meaning that physical power transactions
executed for delivery in the West have a material impact on comparable purchase
quantities and/or resource dispatch requirements in the East. In cases where all physical
electricity is required to serve load, purchasing power on a forward basis removes
customers’ exposure to volatile spot month pricing. Pointing out that those specific
electrons may or may not be consumed by Utah customers does not indicate that they
have no impact on NPC, or do not benefit Utah customers. Utah customers benefit from

the geographic diversity of the PacifiCorp system. Attempting to disallow legitimate

4 Direct Testimony of Gary Smith, lines 119 to 120.

Page 13 — Response Testimony of Michael G. Wilding



266

267

268

269

270

271

272

273

274

275

276

277

278

279

280

281

282

283

284

285

286

287

288

costs related to system hedging and balancing represents an attempt to claim the
benefits of the system, without also sharing in the costs of the system.

Referencing the same testimony as the previous question, is the DPU ignoring how
costs and benefits are allocated across the Company’s system?

Yes. Utah is allocated the costs and benefits of all system generation, not just that on
the east side of the system. If the Company were to lose its focus on minimizing system
costs and purchase for Utah load at Mona or Four Corners, the results would likely be
an increase in NPC, since Mid-Columbia is generally more liquid in the term and tenor
of the products available and is sometimes priced at a discount to points of delivery on
the east side of the system. This means that there are more counterparties, more volume
available for sale, and those parties are willing to sell products at further out time
periods.

The focus on minimizing operational costs allows PacifiCorp to utilize
available capacity in the east to serve Utah load (even though the generation is
earmarked for states on the west side of the system). However, that approach requires
the purchase of energy on the west side of the system in order to serve load there. DPU
appears not to have considered how the Company could serve load across its system in
a least-cost fashion without making purchases. The mere fact that those purchases take
place at points of delivery on the west side of the system does not indicate that they are
not cost-minimizing, or do not convey benefits to all states through the cost allocations.
To disallow west side purchases and sales amounts to taking the benefits of generation
above Utah’s allocated share without acknowledging that those costs have already been

paid for by customers outside of Utah.
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289 Q. Is it possible to quantify the liquidity difference between the two sides of the
290 system?

291 A Yes. Looking at ICE day-ahead trading volumes between Palo Verde and Mid-

292 Columbia between 2018 and 2023, the average transacted volume at Mid-Columbia is
293 more than three times the average transacted volume at Palo Verde. The graph below
294 displays this relationship over time.
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295 In addition, when evaluating the number of available counterparties at each of
296 those locations over the same timeframe, Mid-Columbia has more than one and a half
297 times the number of counterparties willing to transact on any given day, on average.
298 Please note that this example uses Palo Verde instead of Four Corners or Mona
299 data because ICE does not publish data for those delivery points. However, this
300 comparison is more generous when you consider that Four Corners and Mona are less
301 liquid than Palo Verde.
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Mr. Smith opines that Table 2 of his testimony shows a relationship between
purchased power and the size of the EBA deferralS Is this an accurate
characterization?

No, and Table 2 supports that conclusion. Between 2020 and 2021, purchased power
expense increased a great deal while the EBA recovery amount went up by a far smaller
amount. On the other hand, between 2021 and 2022, purchased power expense
declined, while the under-recovery increased. Between 2022 and 2023, purchased
power expense increased again, but not to the level observed in 2021, while the under-
recovery was the highest of all the four years we have discussed in this answer. In other
words, the under-recovery appears to change in a way that is directionally independent
of whether purchased power expense increases or decreases, and when the two changes
do happen to coincide in direction, the scale is not comparable.

What conclusion can be drawn from Table 2?

None. The relationship between purchased power and under-recovery is unclear at best,
and the only conclusion is that NPC generally has been increasing without an update
to the NPC baseline, which drives larger under-recoveries over time. While it is clear
the increase in NPC is not driven exclusively by purchased power expense, there is no
further analysis provided by DPU. The Company would note that more has occurred in
the markets of the Western United States over the last several years than an update to
PacifiCorp’s hedging policy. The increased NPC has more to do with increased
commodity pricing, force majeure events at the mines that supply the Company’s east

side coal fleet, and high price volatility driven by energy scarcity. The fact that

5 Direct Testimony of Gary Smith, lines 114-116.
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events.
Q. Does DPU provide other evidence that may shed light on the reasons for the NPC
increase?
A. Yes. DPU Table 5 show a steep decline in coal generation of approximately 6.1 million
MWh (approximately 22 percent lower than forecast) driven by coal supply constraints,
a very slight decline in natural gas generation, and combined generation from hydro
and wind resources that is below prior forecasts by approximately 1.5 million MWh.
While not displayed in DPU Table 5, the Company also had to serve net load that was
approximately 1.3 million MWh above baseline. In other words, our requirements
increased relative to the 2020 GRC baseline, while the tools left at PacifiCorp’s
disposal to satisfy those increased requirements were less available than anticipated,
resulting in a shortfall of approximately 9.4 million MWh, which the Company
satisfied by forgoing sales and increasing market purchases. Table 2 below has
additional details.
Table 2
Baseline Actual 2023 Impact on Position % Difference
Net Load 60,579,753 61,923,870 (1,344,116) 2%
Total Coal Generation 28,094,068 21,951,022 (6,143,046) -22%
Total Gas Generation 14,428,068 14,049,912 (378,156) -3%
Total Hydro Generation 3,626,662 3,000,399 (626,263) 7%
Total Other Generation 7,665,637 6,751,394 (914,243) -12%
Total Short Term Firm Sales 6,735,462 2,035,613 4,699,849 70%
Total Short Term Firm Purchases 3,552,242 8,864,963 5,312,721 150%

The impact of losing approximately 22 percent of coal generation due to
unforeseen coal supply constraints is significant. For reference, in the NPC baseline,

coal generation makes up approximately 52.5 percent of the Company’s overall
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generation, meaning that losing 22 percent means a shortfall of approximately 11.5
percent of overall forecasted generation in the NPC baseline. Satisfying that shortfall
through a combination of forgone sales (which reduces revenue) and increased
purchases (which adds expense) will inevitably result in an NPC increase. Mr. Painter
has already detailed the causes of this decrease in coal generation in his direct
testimony.’

The DPU claims that “[tlhe Company has not shown that the transmission
resources it holds are sufficient to move this power to Utah loads during the times
for which it was procured.”” Is this a relevant factor in determining if those power
physical transactions benefit Utah?

No. Again, the Company optimizes its system holistically to the extent possible given
the physical constraints and requirements of serving load. _
allows the Company to avoid future purchase requirements or incremental dispatch,
allows for otherwise required load-serving resources to be decremented and potentially
allows for sales to be executed, generating revenues that offset NPC. This argument
also ignores the absence of a viable, cost-minimizing option, as I explained earlier in
my testimony. We cannot serve load without purchase activity, and that purchase
activity _ because those points of delivery have historically
exhibited greater liquidity. In addition, purchasing in the West makes operational sense
because it does not require the use of transmission resources, leaving those available
for rapid response to any unforeseen operational events (e.g., unit outages, loss of a

transmission line, etc.), bolstering reliability at times of peak demand.

% Direct Testimony of Jack Painter, lines 417-505.
7 DPU Exhibit 1.2 Dir, EBA Audit Report at 9.
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DPU further claims that these cost increases are also tied to the Company’s
planning failures which rely too much on market purchases.® How do you
respond?

This criticism is inaccurate and does not reflect the significant investments that the
Company has made over time. PacifiCorp has added substantial amounts of new
generation over time, which serves to reduce NPC for customers given that much of
the new generation has an incremental cost of zero dollars. Notably, DPU witnesses
have provided no evidence that the acquisition of some resource would have reduced
rates for Utah customers. More importantly, given the nature of this docket, the DPU
has provided no evidence that the Company had reason to know that a resource
acquisition would reduce rates for Utah customers at the time when resource planning
decisions were being made. In short, this argument is unsupported, misguided, and
concerns a topic that would be more appropriately addressed during a review of the
integrated resource plan than in an energy balancing account docket.

The DPU further claims that the Company fundamentally altered the hedging
program in 2021 without seeking approval and went beyond the program
established after the 2010 general rate case.” Why was the change necessary?

As I discussed above, the Company’s changes to the hedging program were necessary
to ensure that the Company was providing safe and reliable service to customers. The
Company has never sought approval for any of its hedging programs. However, over
the course of two years, the Company has met with the DPU on multiple occasions

(including technical conferences and informal meetings) and answered over ninety data

8 Phase I Direct Testimony of Gary Smith, lines 122-129.
® DPU Exhibit 1.2 Dir, EBA Audit Report at 9.
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requests in Docket Nos. 22-035-06 and 23-035-06 to provide a deeper understanding
of the change in hedging policy. Additionally, the Company has a robust risk
management and oversight process that should be empowered to make the necessary
changes to the Company’s hedging policies in order to ensure that the Company is
continuously addressing market conditions and improving its processes.

The DPU claims that the costs of this program have “drastically” increased.!® Is
this increase in costs solely due to the changes to the program?

No, DPU has fallen into the trap that correlation implies causation. It is true that the
Company is hedging more than it has in the recent past. However, the increase in energy
market prices is driving the majority of the costs of the hedge program. When the
Company executes a hedge, it does so at or about the prevailing market prices at the
time of execution. When market prices remain elevated for an extended period of time,
the costs associated with prudently hedging the system will commensurately increase,
but that does not make them unreasonable. In fact, the elevated prices that the Company
has encountered when executing hedges in the recent past are strongly indicative of
market-wide concerns across the Western U.S. regarding the consistent availability of
energy at times of peak demand. In that way, the pricing itself indicates that shifting
the hedge program to account for reliability in addition to cost management has been a
reasonable and prudent response to market conditions. The costs associated with
physical balancing are a requirement of operating the system, and locking in those costs
on a forward basis reduces or eliminates exposure to volatile spot month and/or real-

time pricing.

10 DPU Exhibit 1.2 Dir, EBA Audit Report at 9.

Page 20 — Response Testimony of Michael G. Wilding



409

410

411

412

413

414

415

416

417

418

419

420

421

422

423

424

425

426

427

428

429

430

REDACTED

DPU claims that it is still unclear on what the exact incremental costs of the new
program are.!! How do you respond?

It would be impossible to do a counterfactual analysis that exactly identifies the
differences in cost between the previous hedging program and the revised hedging
program, there are simply too many variables to account for. However, such an analysis

is also unnecessary, because as I have detailed above in my testimony, the Company’s

_. The DPU is confusing correlation with causation by conflating a change
in the Company’s hedging program with a rise in NPC due to an outdated baseline, loss
of coal generation, and overall scarcity in the Western United States.

DPU proposed to remove approximately $130 million from the Company’s NPC.!2
Is this a logical adjustment?

No. This adjustment necessarily supposes that balancing the system is free of cost, and
o [ - of hic
are demonstrably untrue. Purchasing on the west side makes operational sense and
represents a hedge plan that is simpler to execute, owing to increased liquidity at the
Mid-Columbia point of delivery. That plan of action does not solely impact the west
side of the system though. Having length at Mid-Columbia allows east side generators
to keep their output on that side of the system, potentially forgoing purchases in the
Southwest, or allowing resources to decrement output, which minimizes fuel costs. |

will note again that DPU’s proposal fails to account for the fact that the Company is

' DPU Exhibit 1.2 Dir, EBA Audit Report at 10.
12 Direct Testimony of Gary Smith, lines 136-140.
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behaving in a cost-minimizing fashion for the overall system, and that the benefits of

that behavior are distributed to system participants through the allocation mechanisms.

IV. INCLUSION OF WASHINGTON CCA COSTS IN REVENUE

REQUIREMENT

Q. DPU witnesses Philip DiDomenico and Dan F. Koehler recommend disallowing

the Washington CCA costs from the Utah test period revenue requirement.!* Can

you provide an overview of what the Washington CCA costs are?

A. Yes. The Washington Legislature passed the Climate Commitment Act in 2021 to
reduce carbon pollution. The program went into effect at the beginning of 2023. As
explained in Company witness Ramon J. Mitchell’s direct testimony, “the Company
[is required] to purchase [greenhouse gas, or “GHG”] allowances for any GHG
emissions output within the state of Washington for export outside the state of
Washington.”'* As it relates to the Company, this program only applies to the
Company’s Chehalis plant, and thus for any energy exported to Utah from the Chehalis
plant, “there is an incremental $/MWh cost based on the GHG allowance price for the
test period.”!> While this program does increase NPC by $29 million, that cost impact

on Utah “is identical to the impact of costs associated with initiatives like wind taxes

and coal fuel taxes that increase Company NPC.”!®

13 Direct Testimony of Philip DiDomenico and Dan F. Koehler at lines 136-145.

14 Application of Rocky Mountain Power for Authority to Increase its Retail Electric Utility Service Rates in Utah
and for Approval of its Proposed Electric Service Schedules and Electric Service Regulations, Docket No.

24-035-04, Phase I Direct Testimony and Exhibits of Ramon J. Mitchell at lines 346-348 (Jun. 28, 2024).
15 Id. at lines 352-353.
16 Id. at lines 361-363.
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Why does the DPU argue to exclude these costs from the revenue requirement?
The DPU argues that Utah customers should not be required to pay for a state-specific
initiative that benefits Washington customers while shifting 100 percent of the cost
burden to customers in other states. Because the CCA was enacted after the adoption
of 2020 Protocol, he argues that the CCA costs are not covered under 2020 Protocol.
They recommend that direct allowance costs should be situs assigned to Washington.
Do you agree with the DPU’s arguments?

No. First of all, as Mr. Mitchell explained in his Phase I direct GRC testimony, “the
absence of any generation from the Chehalis plant would result in an increase to NPC,
relative to the status quo of the Washington Cap and Invest Program, due to
replacement energy being sourced from market purchases, which are more expensive
than the cost of fuel and GHG allowances combined.”'” Thus, by arguing for these
costs to be removed from the Utah revenue requirement, the DPU are arguing that Utah
customers should pay more for power than what they would pay for the power currently
obtained from the Chehalis plant.

Disallowing recovery of the compliance costs penalizes the Company for
complying with Washington law. The DPU does not dispute that the Company is
required to obtain emission allowances for Chehalis generation and do not recommend
that the Commission remove the benefit of Chehalis generation from Utah rates. If Utah
customers are going to receive the benefits of Chehalis, then Utah customers need to

pay the costs to generate those benefits. And if Utah customers do not want to pay

17 Direct Testimony of Ramon J. Mitchell at lines 235-239.
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compliance costs for Chehalis, then it is reasonable for Utah customers to not receive
the benefits of Chehalis’ generation.

Q. Is DPU’s recommendation that Utah customers not pay compliance costs
consistent with your understanding of how other environmental compliance costs
are allocated to Utah customers?

A. No. All the Company’s generation resources incur various types of environmental
compliance costs and generation taxes, many of which are imposed by the state where
the resource is located. These include costs like the Wyoming wind tax and the cost of
emission control equipment installed at the Company’s Wyoming and Utah coal plants.
These direct impacts to generation are consistently system allocated and Utah
customers pay these environmental compliance costs and generation taxes incurred by
resources that are used to serve Utah customers, just like customers in other states pay
costs imposed by Utah on Utah-located facilities. Adopting these parties’ position here
sets a poor precedent for other existing and future environmental compliance costs
imposed by Utah or any other state on generating resources located in those states.

Q. How are generation taxes, like the Cap and Invest Program compliance costs,
allocated under the 2020 Protocol?

A. Section 3.1.7 of the 2020 Protocol applies to the generally applicable compliance costs
associated with purchasing GHG allowances for the Chehalis plant. Section 3.1.7 states
that generation-related dispatch costs and generation- and fuel-related taxes are

allocated using the System Generation, or SG, allocation factor.'® Here, the Cap and

18 In the Matter of the Application of Rocky Mountain Power for Approval of the 2020 Inter-Jurisdictional Cost
Allocation Agreement, Docket No. 19-035-42, Exhibit RMP__ (JRS-1) 2020 Protocol, lines 216-235 (Dec. 3,
2019).
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Invest Program is a generation tax because there is no compliance obligation if there is
no generation, and the amount of the compliance obligation is determined by the
amount of generation.'” Because the GHG allowance costs imposed by the Washington
Cap and Invest Program are appropriately characterized as a generation-related tax, or
a dispatch cost, imposed by Washington on generation from Chehalis, the emission
allowance costs are appropriately allocated using the SG allocation factor. In this way,
the Washington emission allowances are treated the same as other state-imposed
generation taxes, like the Wyoming wind tax.

Q. How do you address Mr. Koehler’s claim that because the CCA was enacted after
the 2020 Protocol, the CCA allowances costs should be situs assigned to
Washington?

A. Taken to its logical conclusion, the Company and stakeholders across its six state
jurisdictions would need to enter into a new allocation agreement annually. Given the
time and effort it takes to negotiate these agreements, the argument is nonsensical as
the new allocation agreement would lag years behind the enactment of state or federal
laws or regulations and the Company incurring costs. I have explained above how the
CCA allowance costs are a generation tax or generation-related dispatch cost under
Section 3.1.7 of the 2020 Protocol. Notably Mr. Koehler does not contest this and
acknowledges that these costs “could technically fit into one of the cost categories

defined in Section 3.1.7” of the 2020 Protocol.?’ He claims that it is not a “perfect fit”

19 See RCW 70A.65.010(1) (defining “Allowance” as “an authorization to emit up to one metric ton of carbon
dioxide equivalent”).
20 DPU Exhibit 2.3 Dir Daymark Energy Advisors DPU Audit Report at 109.
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511 but the argument that the 2020 Protocol has to perfectly foresee a particular state’s
512 generation taxes is unreasonable and without merit.
513 Q. Should the Commission adopt the DPU’s recommendation?

514 A No, as I describe in my testimony, the adjustment of $130 million proposed by the DPU

515 is based on a mischaracterization of how the Company operates and dispatches its
516 system and should be rejected. Additionally, the DPU’s $19.4 million removal of costs
517 that are necessary to operate the Chehalis natural gas plant should also be rejected.
518 Q. Does this conclude your response testimony?

519 A. Yes.
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